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Abstract. In-situ emulsiﬁcation of injected brines of various types is gaining increased attention for the purpose of enhanced oil recovery. The present experimental study aims at evaluating the impact of injecting various solutions of Na2CO3 and MgSO4 at different ﬂow rates resembling those in the reservoir and near wellbore
using a glass micromodel with different permeability regions. Emulsiﬁcation process was visualized through the
injection of deionized water and different brines at different ﬂow rates. The experimental results showed that
the extent of emulsions produced in the vicinity of the micromodel exit was profoundly higher than those at the
entrance of the micromodel. The injection of Na2CO3 brine after deionized water caused the impact of emulsiﬁcation process more efﬁciently for attaining higher oil recovery than that for the MgSO4 brine. For instance,
the injection of MgSO4 solution after water ﬂooding increased oil recovery only up to 1%, while the equivalent
ﬁgure for Na2CO3 was 28%. It was also found that lower ﬂow rate of injection would cause the displacement
front to be broadened since the injected ﬂuid had more time to interact with the oil phase. Finally, lower injection ﬂow rate reduced the viscous force of the displacing ﬂuid which led to lesser occurrence of viscous ﬁngering
phenomenon.

1 Introduction
Several problems may arise during the production from
heavy oil reservoirs including considerably high viscosity
and precipitation/deposition of asphaltene. Generally
speaking, only 3–10% of in-situ oil in heavy oil reservoirs
is produced by natural reservoir forces (Pei et al., 2013a).
As a result, the investigation of Enhanced Oil Recovery
(EOR) from heavy oil reservoirs is of prime importance.
Most of the proposed methods for increasing oil recovery
are based on oil viscosity reduction or decreasing the mobility ratio of the displacing ﬂuid to the displaced ﬂuid (Sun
et al., 2019). Thermal enhanced oil recovery methods can
also be potentially useful which can profoundly increase
the oil recovery. This is due to considerable reduction in
oil viscosity, its mobility in porous media can then be
increased substantially, thus, resulting in an enhanced oil
recovery. The main problem with this method, though, is
the heat loss which can take place in deep and low thickness
reservoirs (Pei et al., 2013b; Pu et al., 2019; Thomas, 2008).
Conventional water ﬂooding is another approach which
would usually come with a lower price tag. However,
* Corresponding author: mriazi@shirazu.ac.ir

conventional water ﬂooding would leave considerable
amount of oil unrecovered. This is mainly due to the low
microscopic (pore-level) and macroscopic sweep efﬁciency
(volumetric) of this method. Low sweep efﬁciency and pore
size displacement efﬁciency are due to the undesirable
mobility ratio and high Interfacial Tension (IFT) existing
between ﬂuids in the porous media, respectively. Oil trapping in pore spaces of the rock is controlled by the active
forces in porous media, namely capillary and viscous forces.
Hence, capillary number which, by deﬁnition, is the ratio of
viscous to capillary forces would serve as a controlling factor
in the displacement process (Bryan and Kantzas 2007;
Bryan et al., 2008; Mai and Kantzas 2009; Sabooniha
et al., 2019). Fluid velocity is also a key parameter for the
ﬂuid ﬂow in porous media, especially the transport of the
emulsion phase. The magnitude of the velocity would be
a prevailing factor for the behavior of the dispersed droplets
or their entrapment, break or movement in porous media
(Shang et al., 2019; Soo and Radke, 1984).
Emulsiﬁcation has long been considered as a viable
option for EOR purposes. Various effects contribute to
the emulsion stability including the presence of heavy polar
particles in the crude oil like asphaltene, solid particles,
pressure, temperature, the size distribution of the droplets,
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pH of the brine and its composition (Akizuki et al., 2014).
Ions of higher valence react with asphaltene and as a consequence, asphaltene molecule would go to the interface of
water/oil (Shahsavani et al., 2019). Also, the adsorption
of asphaltene at the interface of water/oil increases with
pressure. The reason lies in the fact that the adsorption is
ampliﬁed by increasing the pressure (Kazemzadeh et al.,
2019). Alkaline injection can improve oil recovery before
the precipitation of asphaltene and do not have any significant impacts after asphaltene precipitation (Doryani et al.,
2017). Regarding the concepts of capillary number and
mobility ratio, emulsiﬁcation would increase both microscopic and macroscopic sweep efﬁciencies, respectively
(Karambeigi et al., 2015; Umar et al., 2018). Considerable
decrease of the interfacial tension between the ﬂuids and
enhanced favorable mobility ratio would result in higher
microscopic and macroscopic oil recovery (Liu et al., 2006;
Saha et al., 2018). Accordingly, in-situ emulsiﬁcation, which
is the product of chemical reaction between the two displaced and displacing ﬂuids in the reservoirs due to the
injection of different chemicals including surfactant and
alkalis, has been the subject of many recent studies
(Alvarado, 1979; Kumar et al., 2010; Mehranfar and
Ghazanfari, 2014; Taiwo et al., 2016).
W/O emulsions can boost the oil recovery by two
probable mechanisms, namely, (i) oil droplets can block
the pore spaces and make the ﬂuid ﬂow path to be diverted
and (ii) dispersed oil droplets can be produced along with
the water phase. As for the W/O emulsions, they could
though have remarkably higher viscosity. Emulsion viscous
phase can barricade the ﬂow in permeable water saturated
channels, resulting in the production of oil from different
channels with un-swept residual oil (Farias et al., 2012;
Schmidt et al., 1984). According to the concept of ganglia
dynamics, as emulsion droplets are trapped in pore spaces,
critical capillary force would be needed to move them.
Critical capillary force is the minimum force which is
needed to displace the oil phase and increased capillary
force can cause the production of the continuous phase
(Youssef et al., 2014).
Alkaline injection can also improve the oil recovery
through the formation of emulsions. The potential is particularly high for enhanced recovery from heavy acidic oil
reservoirs. This is mainly because alkali agents can react
with the acidic components of crude oil and decrease the
interfacial tension. Other prevailing mechanisms which
are considered to be important in alkaline injection include
wettability alteration, emulsiﬁcation with entrainment,
and emulsiﬁcation with entrapment (Alvarado, 1979;
Dong et al., 2007; Farias et al., 2012; Kumar et al., 2010;
Mehranfar and Ghazanfari, 2014; Schmidt et al., 1984;
Taiwo et al., 2016; Youssef et al., 2014).
As for the impact of ﬂuid mechanics in porous media,
Soot and Radke (1984) quantitatively investigated the possible effects of the velocity on the transport of emulsions in
porous media regarding deep bed ﬁltration. They concluded
that the velocity would be inﬂuential in straining capture
regime in the capillary number of 10 4. Rudin et al.
(1994) studied the effects of adding surfactants and emulsiﬁcation in a system containing alkali and acidic crude oil.

They found that the addition of surfactants to the solution
of NaCl brine and alkaline would meaningfully reduce the
interfacial tension, resulting in spontaneous emulsiﬁcation.
Sheng (2010, 2015) reported that in chemical ﬂooding,
when the volume of one phase is higher than the other
phase, then it can be considered as continuous phase. As
a result, oil-water ratio is a determining factor which would
then inﬂuence the type of the emulsion. Moreover, it was
pointed out that in the systems containing heavy oils, water
droplets would collide less than oil droplets since the oil viscosity is considerably higher than that of water. Thus, in
such systems water in oil emulsions are more common than
oil in water emulsions.
Bryan and Kantzas (2007) experimentally showed that
the injection of alkaline-surfactant solutions would form
emulsions mainly due to the profound decrease of the interfacial tension. In this process, emulsiﬁcation enhances the
oil recovery through pore ﬂow restriction, ﬂuid ﬂow diversion and decreased mobility ratio between water and heavy
oil. Experimental and simulation results of the study conducted by Wang and Dong (2009) and Wang et al.
(2010) showed that alkaline injection can cause in-situ
emulsiﬁcation and thus improves oil recovery process in
sand-packs. Farias et al. (2012) investigated the application
of W/O emulsions in enhanced heavy oil recovery. In-situ
residual oil was used as the hydrocarbon phase of the emulsion. They compared the effectiveness of the injection of
emulsion, surfactant and water in terms of increasing oil
recovery. The results demonstrated that surfactant and
emulsion injection would profoundly increase the oil recovery. In addition, the emulsion phase was capable of decreasing the ratio of water and oil accumulation in comparison
with the injection of water. By the use of micromodel experiments, Rezaei and Firoozabadi (2014) ﬁgured out that
water in oil emulsion droplets can block the pore throat
and make the ﬂuids to be transported in other ﬂow passages. They reported that straining and interception mechanisms were responsible for such phenomena. The
experimental study was done by Feng et al. (2018) shows
that oil recovery factor can be improved during Fine
Emulsion (FE) ﬂooding by reduction of IFT and strong
emulsifying performance. Their experiments indicate that
there are two main mechanisms which can happen through
injection in micromodel, including performance control of
the W/O emulsion and emulsiﬁcation carrying-on.
As for the impact of asphaltene on emulsiﬁcation,
Poteau et al. (2005) showed that the surface charge of
asphaltene could be changed in different pH values of the
environment, here oil/water mixture. Therefore, the phase
behavior of emulsion formation during the injection of
water-based methods can have an opposite effect on the
oil recovery. Moreover, during the use of water-based methods, if the asphaltene in the oil is unstable, it can then lead
to the formation of emulsions. It should be pointed out nevertheless that there have been not enough experimental
studies concerning the in-situ emulsiﬁcation process at near
wellbore region of heavy oil petroleum reservoirs. In this
study, a layered glass micromodel was designed and constructed using a geometrical reservoirs pattern. Mechanisms
contributing to the emulsiﬁcation processes at near wellbore
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Table 1. SARA analysis of the investigated crude oil.
Saturates (wt.%)

Aromatic (wt.%)

Asphaltene (wt.%)

Resin (wt.%)

35.6

8

12.9

43.5

Table 2. CHNS analysis of the extracted asphaltene (wt.%).
Element
Weight percentage

C

H

N

S

O

76.16

7.23

0.68

8.3

7.63

region where the ﬂuid velocity is substantially high were
then investigated. Layered glass micromodels facilitate the
investigation of the effect of permeability on such processes.
Mechanisms for production due to the formation of emulsions are presented visually. Also, a comparison between
the impacts of MgSO4 and Na2CO3 in terms of the extent
of emulsiﬁcation is presented visually in this study.

2 Materials and methodology
2.1 Crude oil and brine properties
The crude oil, investigated in this study, originates from
one of the southern oil ﬁelds in Iran with an API and density of 27.9 and 0.934 gr/cm3, respectively. The SARA
(Saturate, Aromatic, Resin and Asphaltene) index of the
crude oil is presented in Table 1. As it was mentioned,
pH is a critical factor inﬂuencing the surface charge of
asphaltene; therefore, MgSO4 with acidic and Na2CO3 with
basic pH values were selected. These salts were also of
Merck grade with the purity of 99%.
2.2 CHNS analysis
CHNS-O analysis was performed using FlashEA
(1112 series) based on the ASTM D-5291 method for determination of carbon, hydrogen, nitrogen and oxygen contents of the sample. The carrier gas used in this
measurement was helium. Table 2 presents the results of
CHNS analysis of asphaltene, according to the results
obtained by Chilingarian and Yen (1994) upon which the
sulfur content of asphaltene varies from 0.3% to 10.3%.
Holditch (2007) reported that oxygen exists mainly in
acidic functional groups, while nitrogen atoms are present
in basic functional groups. Here, though, the percentages
of oxygen and nitrogen for the extracted asphaltene were
7.63% and 0.68%, respectively. It is evident that the percentage of oxygen content in comparison with nitrogen is
large enough to assure the acidity of asphaltene. The small
amount of oxygenated compounds would be important to
determine the acidity of crude oil. This is because carboxylic
acid, as an organic compound, contains oxygen which plays
an important role in the acidity of crude oil.
2.3 IFT and viscosity measurements
IFT was measured by the pendant drop method using a
DSA-100 apparatus. The measurements were carried out

with the method presented by Alnoush et al. (2019). The
schematic of IFT measuring set-up is illustrated in Figure 1.
As in this study, the IFT of the crude oil and water was of
interest then the quartz cell was ﬁlled with brine solution
and the syringe with the crude oil. Then, the needle was
placed inside the compartment so that it could inject the
crude oil into the chamber from the bottom. The pump
then slowly injected the emulsion ﬂuid and a droplet with
a volume of one microliter forms at the tip of the needle
inside the quartz cell. An image was subsequently taken
from the formed droplet using the camera embedded in
the device. The taken image was then sent to the computer
connected to the device for image analysis of the droplet.
The densities of the two phases were also required to calculate the IFT of the crude oil and water which were measured and given as inputs to the software for the
calculation of IFT. The repeatability error of the tests is
equal to ± 0.3 mN/m.
The viscosity of W/O emulsions was measured with the
method documented by Hubbard and Brown (1943) using
Rolling Ball method. A ball of known dimensions rolls or
falls through a closed capillary, which contains the sample
liquid. A preset angle determines the inclination of the capillary. The time it takes the ball to descend a deﬁned distance within the ﬂuid is directly related to the ﬂuid’s
viscosity. The main forces acting on the descending ball
including FG (Effective portion of gravitational force), FB
(Effective portion of buoyancy force) and FV (Viscous
force). All experiments were performed at ambient temperature and atmospheric pressure.
2.4 Preparation of water-in-oil emulsion
(static test)
Various experiments were conducted to reach the highest
emulsion stability for each salt. Eleven different salt
solutions in the range of 1000–100 000 ppm (i.e. 1000,
10 000, 20 000, 30 000, 40 000 up to 100 000 ppm) were
ﬁrstly prepared with one-ﬁfth ratio (i.e. 20% water and
80% oil) of water in oil emulsions. The salt solutions were
then added to the spinning oil and stirred with 1000 rpm
for an hour. The emulsion was subsequently poured into a
test tube and was left for 2 h. A droplet of the prepared
emulsion was taken from the middle of the test tube and
put on the lam (i.e. laboratory plate) for taking images
by the camera (Dino camera) with 50 zooming scale.
The used camera had about 40 frame per second (fps) speed
resolutions.
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Fig. 1. Schematic view of pendant drop IFT apparatus (Ismail et al., 2019).

Table 3. Geophysical characteristics of the glass micromodel.
Micromodel type Width
(cm)
Semi-uniform
pattern

6

Length Pore volume
Pore diameter (lm)
(cm)
(cc)
Low permeability Intermediate permeability High permeability
region
region
region
6

0.6

200

250

2.5 Glass micromodel
Glass micromodel is a transparent artiﬁcial porous medium
which can be used as a small-scale model of 2-D reservoir
rocks. It can be used to visualize ﬂuid ﬂow and to understand different mechanisms and changes occurring in porous media especially those which are related to the
interface of the existing phases. They are also applicable
for the pore scale visualization of the particle and chemical
transport in porous media. Generally, without any surface
modiﬁcation, micromodels are considered to be strongly
water wet because they are composed of silica which is
the predominant substance forming sandstones. For the
construction of glass micromodels, laser technology with
the acid washing was used. Initially, 39 vol% of HF acid
was used to carve the ﬂow passages. By putting another ﬂat
glass, the prepared glass micromodel was then placed in the
furnace to be heated up to 750 °C. The homogeneous pattern of the micromodel was chosen in order to minimize
the impact of complicated ﬂow conditions such as the presence of tortuous ﬂuid ﬂow paths or dead-end pores. The
micromodel also contained three distinct regions to discern
the impacts of permeability on the emulsiﬁcation process.
The ﬁrst region of the micromodel which was adjacent to
its inlet was the low permeability region. The second region
was of intermediate permeability and ﬁnally the third
region of high permeability close to its outlet. The characteristics of the micromodel are provided in Table 3. In addition, the schematic of the micromodel geometry with
different permeability regions is represented in Figure 2.

350

Production
High permeability region

Intermediate permeability region

Flow
direction

Low permeability region

Injection

Fig. 2. Schematic of the glass micromodel.

2.6 Experimental procedure
Figure 3 shows the schematic of the experimental set-up.
The precise injection of ﬂuids into the micromodel was
accomplished by the use of LA-30 syringe pump which is
capable of injecting ﬂuids with the rate up to 125 h. Using
HLOT microscopic camera, ﬂuid ﬂow is carefully observed
in micromodel. Tecl LED backlight panel was also used
to enhance the quality of images and videos.
The ﬂuids used in the experiments included crude oil,
deionized water (DW), Na2CO3 and MgSO4 brines at
their optimum concentrations which were obtained from
static emulsiﬁcation experiments (optimum concentrations
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Fig. 3. Schematic of the experimental set-up.

Table 4. Detailed experimental procedure.
Experiment
No. 1
No. 2
No. 3

Preparation procedure
Saturating micromodel
with DW
Saturating
micromodel with DW
Saturating
micromodel with DW

Oil
injection
Oil
injection
Oil
injection

correspond to emulsions in their highest stability state). At
ﬁrst, DW and then crude oil were injected to the micromodel until the stable initial state was reached which was
considered as the preparation procedure in Table 4. With
the injection of the ﬁrst displacing ﬂuid, oil displacement
process was carefully followed. Meanwhile the mechanisms
through which the emulsiﬁcation took place were monitored. Then with the injection of the second displacing ﬂuid,
the impacts of this second ﬂuid on the ﬁrst displacing ﬂuid
as well as its impacts on the residual oil were observed.
Finally, the oil recovery factor of each process was measured
and analyzed. It should be mentioned that after each experiment, the micromodel was cleaned based on the procedure
reported in literature to maintain its water-wet wettability
(Mehranfar and Ghazanfari, 2014).
In order to get better insight into the dynamic
experiments quantitatively, an image processing algorithm
(Dong et al., 2006; Roman et al., 2016; Zuo et al., 2013)
was applied using Matlab Image Processing Toolbox
(Mathworks, 2015) and the changes in oil saturation were
then tracked in the course of injection. In this analytical
method, a Red, Blue and Green (RGB) color model was
used and histograms of color distribution of pixels in micromodel were extracted. In the extracted histograms, the
boundaries between the pixels related to each region
(grains, injection ﬂuid, and crude oil) were calibrated and
the area under the distribution curve of each region was
assumed as the saturation of each component in the micromodel. The used color histogram was red due to its concentration in the micromodel images. The color boundaries

First displacing ﬂuid

Second displacing ﬂuid

DW injection (80 cc/h)
(blue colored)
DW injection (80 cc/h)
(blue colored)
DW injection (0.5 cc/h)

MgSO4 brine injection
(80 cc/h)
Na2CO3 brine injection
(80 cc/h)
Na2CO3 brine injection
(0.5 cc/h) (blue colored)

related to the different phases are calibrated by comparing
the calculated recovery factor and the measured recovery
factors before injection ﬂuid breakthrough (recovery factor
before breakthrough is easily obtained by calculating the
injected volume using time and injection rate). As the calibration results depicted, the maximum error in calculated
results was less than 1% of the oil saturation. Detailed information of each experiment is provided in Table 4. In addition, to conﬁrm repeatability, all experiments were repeated
three times.

3 Results and discussion
3.1 Effect of salinity on stability of emulsions at static
conditions
One of the controlling parameters in the stability of the
crude oil emulsions is the interactions between cations in
the aqueous phase and asphaltene in the oil phase. If there
is a considerable concentration of the cations in the system,
they can then interact with the negatively charged asphaltene and this would, in turn, result in destabilization of the
crude oil emulsions. The solubility of salts in water depends
on the ionic radiuses and charges of the salt molecules.
Higher solubility indicates higher ionization. The concentration of ions in the aqueous phase increases up to the saturation point. After the saturation point, further increased
salt concentration resulted in the salt precipitation in the
aqueous phase. Thus the number of the free ions in the
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(a)
Fig. 4. Frequency of size of emulsions of 50 000 ppm MgSO4
with acidic (pH = 5.6) and 60 000 ppm Na2CO3 basic (pH =
11.3).

aqueous phase decreases. As it was mentioned, in this
study, emulsions were stabilized using 11 different salt
concentrations ranging from 1000 to 100 000 ppm. The
images of emulsions were captured using light microscopy
and analyzed with ImageJ as a histogram.
The optimum concentration for MgSO4 was 50 000 ppm
which had the highest number of dispersed area in comparison with the lower and higher concentrations. Similarly,
the optimum concentration for Na2CO3 with the same reason was 60 000 ppm. The histograms in Figure 4 compare
the number of dispersed water droplets in crude oil which
were formed by MgSO4 and Na2CO3 solutions at their optimum concentrations (in various surface areas as shown
in Fig. 4). The surface area of the water droplets analyzed by the ImageJ software ranged from 100 lm2 to
10 000 lm2. Based on the literature (Goodarzi and
Zendehboudi, 2019; Sjöblom, 2001), the more smaller surface area of dispersed water droplets, the more stable emulsions. For this reason, in this study, water droplets with the
surface area ranging from 100 lm2 to 1000 lm2 were
investigated.
Once the optimum concentration of the investigated
salts had been identiﬁed, the interfacial tension between
oil/MgSO4 solution and oil/Na2CO3 solution was measured. Figure 5 shows the pendant drop of IFT analyses
of the oil with different aqueous solutions. The measured
IFT for oil/MgSO4 solution (Fig. 5a) is 27.46 and for oil/
Na2CO3 solution (Fig. 5b) is less than 0.01 mN/m (see
Tab. 5). It is evident that the interfacial tension between
the oil droplet and Na2CO3 solution is much lower than
that for the MgSO4 solution. The profound reduction of
IFT should be related to reaction between the acidic components of the crude oil and the basic solution. Moreover,
the considerable reduction in the interfacial tension
between oil and Na2CO3 solution can be attributed to the
produced in-situ surfactant (Mahdavi and Zebarjad, 2018;
Sheng, 2010). As a result of this phenomenon, more water
droplets with the smaller surfaces would be formed. In addition, the viscosity of emulsions was measured and reported
in Table 6. As it can be seen the values for MgSO4 and
Na2CO3 are 235 cP and 512 cP, respectively.

(b)

Fig. 5. Images of pendant drop for measurement of IFT
between the oil and aqueous solutions, (a) MgSO4 solution at
50 000 ppm, (b) Na2CO3 solution at 60 000 ppm.

The properties of the aqueous phases including pH and
viscosity are provided in Table 5. Furthermore, the table
contains the optimal concentrations of the salts and the
IFT between these solutions and the crude oil.
As it can be observed from Figure 4, W/O emulsions
which were produced by Na2CO3 solution contain the
higher number of water droplets compared to that using
MgSO4 solution. The main reason lies in the fact that
sodium carbonate had a relatively high basicity of
pH = 11.3, while the measured value of pH for MgSO4 solution is 5.6 which proves its acidity. Figure 5 shows the IFT
for both solutions and as it can be seen, the interfacial tension between oil and Na2CO3 solution is much lower than
that for oil and MgSO4 solution. Moreover, Table 6 provides the viscosity values for emulsions. These measured
values provide another evidence that the produced emulsion by Na2CO3 solution is tighter because of the higher
number of dispersed water droplets.
3.2 Impact of high ﬂow rate on in-situ emulsiﬁcation
and oil recovery
3.2.1 Effect of MgSO4 as the second displacing ﬂuid
(No. 1)
With the rate of 80 cc/h, Deionized Water (DW) was
injected to the micromodel (blue colored). The capillary
number corresponding to this rate was 2.56  10 4 which
was considerably higher than the usual capillary number
taking place at the reservoir conditions. Usually, ﬂuid ﬂows
with capillary numbers less than 10 5 are considered to be
in reservoir regime. This ﬂow rate generally takes place in
the near wellbore region of the reservoir where higher pressure drop would serve as a driving force for the ﬂuid ﬂow.
For such a high ﬂow rate, emulsiﬁcation would then take
place as the displacing ﬂuid (DW in this case) has a considerably high viscous force. When the water droplets collide
with the grain surface then they would break up into parts
forming emulsiﬁed water phase. In fact, large viscous forces
are the main source of energy for the emulsiﬁcation process and dispersing water droplets in crude oil medium.
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Table 5. Properties of the brines and interfacial characteristics.
Chemical
formula

Optimum concentration
(ppm)

pH

IFTwo
(mN/m)

Viscosity
(cP)

Na2CO3
MgSO47H2O

60 000
50 000

11.3
5.6

<0.01
27.46

1.04
1.06

Fluid
Sodium carbonate
Magnesium sulphate Heptahydrate

Table 6. Measured viscosity of ﬂuids at 25 °C and 1 atm.
Fluid
Crude oil
W/O emulsion using 50 000 ppm MgSO4
W/O emulsion using 60 000 ppm Na2SO4

Viscosity (cP)
145
235
512

As injection continued, the number of dispersed water droplets in porous media increased. The driving force which
was formed by the continuous displacing water phase then
caused more dispersed water droplets to be collided to
grains resulting in their break-up and creating more dispersed water droplets. The number of dispersed water close
to the outlet of micromodel is considerably higher than that
at the inlet. The likely reason is that in this region, the pressure drop was higher than the central region, which, in turn,
increases the ﬂuid velocity. Increased ﬂuid velocity is a key
factor which leads to more collision between the water droplets and grains. Consequently, the number of dispersed
water droplets considerably increased (Fig. 6a).
Figure 6b represents the effects of injecting 50 000 ppm
brine of MgSO4 as the second displacing ﬂuid. As it is indicated in Table 5, pH of MgSO4 solution is 5.6 meaning an
acidic pH. In addition to this, because of the acidic nature
of crude oil (see Tab. 2) the reaction between acidic components of oil and acidic solution was not high enough to
reduce the interfacial tension. Thus, this type of salt would
not then noticeably be reactive with the crude oil. The
interfacial tension between the ﬂuids i.e. crude oil and
displacing ﬂuid is not also reduced substantially (see
Fig. 5a). Thus, emulsiﬁcation would not take place. Marginal reactivity with the oil phase makes the brine phase
to pass through the swept region which had been previously
displaced by deionized water. As a result, besides of marginal increase of oil recovery, the ﬂow of the second displacing phase does not have any noticeable impact on the
emulsiﬁcation process as well as emulsion stability and
displacement.
3.2.2 Effect of Na2CO3 as the second displacing
ﬂuid in high rate regime (No. 2)
The ﬁrst part of the experiment No. 2 was similar to that of
No. 1. Figure 7a shows the deionized water injection with
the same ﬂow rate (80 cc/h) as for experiment No. 1(blue
colored). The primary mechanisms taking place in these
two experiments were similar but for different salts. This
resulted in similar patterns for the two experiments which
shows good repeatability of the conducted experiments

(see Fig. 8 where the oil recovery factor is similar after
the ﬁrst injection [water ﬂooding] in both cases).
In this experiment, the second injected ﬂuid was
Na2CO3 brine with a concentration of 60 000 ppm. This salt
would make the solution basic as it dissolves in water. The
result would then be the reaction between the acidic components of the crude oil with the basic aqueous solution. As it
is evident from Figure 7b, at ﬁrst, the injected brine tended
to move from the swept regions. As this phase continued to
move in this region, it also detached the oil droplets which
were adhered to the grain. The detachment of oil droplets
can emulsify the displacing ﬂuid and results in higher oil
recovery due to the entrainment mechanism. As the injection continued (see Fig. 7c), the brine had more time to
interact with the crude oil producing in situ surfactants.
The produced surfactants then substantially decreased the
interfacial tension between the displacing ﬂuid and the
crude oil (Sheng, 2010). The result of signiﬁcantly low interfacial tension was the formation of emulsions. The emulsion
produced in this stage of the injection caused the displacement front to be emulsiﬁed. Thus, the viscosity of the displacing ﬂuid increased considerably which, in turn, altered
the mobility ratio to a more favorable state. Consequently,
the oil recovery can be increased by the W/O emulsiﬁcation
through the injection of the second ﬂuid to the micromodel
(see Fig. 7d).
Figure 8 shows the recovery factor of each experiment
for the ﬁrst and the second injection processes. As it can
be seen, the oil recovery respective to the experiment
No. 2 is quite higher than experiment No. 1. A possible
explanation is that through this experiment, by the injection
of the ﬁrst ﬂuid, crude oil is produced as the emulsiﬁcation
takes place. With the injection of the second ﬂuid, reaction
between the acidic components of the crude oil and the basic
solution new emulsions would then be produced. This new
emulsiﬁcation process increased the oil recovery which, in
turn, made this scenario more effective than experiment
No. 1. Finally Figure 8 reafﬁrms that the scenario of injecting brine as the second displacing ﬂuid yielded higher oil
recovery factor as much as 53%. The interaction between
the brine and the crude oil was the main reason for such a
profound difference.
3.3 Impact of reservoir capillary dominant ﬂow
rate on in-situ emulsiﬁcation and oil recovery
For low ﬂow injection rates, capillary force is dominant and
the viscous force of the injected ﬂuid is much less than the
case of high ﬂow rate injection. In these experiments, the
ﬂow rate was 0.5 cc/h and the respective capillary number
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(a)

(b)

Fig. 6. Emulsion patterns (a) after 3 PV of blue colored deionized water injection; (b) after 3.3 PV of MgSO4 brine injection.

(a)

(b)

(c)

(d)

Fig. 7. Impact of Na2CO3 brine injection (a) initial state after 3 PV blue colored deionized water injection; (b) after 1.6 PV of
Na2CO3 brine injection; (c) after 2.1 PV of Na2CO3 brine injection; (d) after 3.3 PV of Na2CO3 brine injection.
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Fig. 8. Oil recovery for experiments No. 1 (High rate DW and
MgSO4), No. 2 (High rate DW and Na2CO3) and No. 3 (Low
rate DW and Na2CO3) (see Tab. 4 for details).
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equaled to 1.6  10 6 which was quite similar to the capillary number occurring at the reservoir conditions. The
injected ﬂuid had more time to react with the crude oil components. In this section, experiment No. 2 was repeated but
with the lower ﬂow rate resembling those in the reservoir.
This new experiment is referenced as experiment No. 3.
Since the ﬂow rate was low, then the basic injected ﬂuid
had more time to interact with acidic components of the
oil phase. As a result, more in-situ surfactants were expected to be produced in the light of reduced IFT between
the displaced and displacing ﬂuid (Fig. 5b). Emulsiﬁcation
process then would inevitably be enhanced and wettability
alteration mechanisms would be more probable to occur
(Palizdan et al., 2020). Lower ﬂow rates also reduced the
viscous force in comparison with the higher ﬂow rates. As
the viscous force of the displacing ﬂuid reduces, the extent
of viscous ﬁngering process which is an adverse phenomenon for the oil recovery would be decreased. Thus,

Extended
distribution
in high
permeable
zone

(a)

(b)

(c)

(d)

Fig. 9. Flow pattern of low ﬂow rate (0.5 cc/h) (a) after 1 PV deionized water ﬂooding (b) after 0.16 PV of blue colored Na2CO3
brine injection; (c) after 0.5 PV of blue colored Na2CO3 brine injection; (d) after 1.25 PV of blue colored Na2CO3 brine injection.
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higher oil recovery and sweep efﬁciency are expected during
the low ﬂow rate injection process. Moreover, in the course
of capillary dominant ﬂow, different permeability regions of
the micromodel were more distinguishable compared to
that of the viscous dominant ﬂow.
3.3.1 Effect of Na2CO3 as the second displacing
ﬂuid at low ﬂow rates (No. 3)
Figure 9 shows the injection of displacing ﬂuids with the
rate of 0.5 cc/h into the glass micromodel. The respective
capillary number is 1.6  10 6 which was quite close to
the capillary number at the reservoir condition. At ﬁrst,
deionized water was injected to the micromodel. As the injected ﬂuid penetrated into the micromodel, it preferred to
ﬂow in two different directions. One was the direction of the
pressure gradient which was along the entrance of the
micromodel to its exit. The second preferred ﬂow direction,
was the direction towards the regions with higher permeability. Since in such regions, the resistance towards the
ﬂow was less than the lower permeable regions, then the
ﬂuid preferentially passed through the direction of the higher permeability. With the injection of the second ﬂuid (blue
colored), as it was already mentioned, the brine interacted
with the un-swept crude oil to create in situ surfactants
forming W/O emulsions (see Fig. 9a). The reduction in
the IFT not only caused the displacing ﬂuid to be emulsiﬁed, but also increased the microscopic displacement
efﬁciency. Thus, that portion of the oil can be produced
which was trapped in small pores. As it was stated earlier,
emulsiﬁcation can increase the viscosity of the displacing
ﬂuid (see Tab. 6). As the viscosity of the displacing ﬂuid
increased further, the emulsiﬁed front would displace oil
in more piston-wise manner which means higher macroscopic sweep efﬁciency. It can be seen from Figure 9b that
by continuing the injection, the injected ﬂuid preferred to
pass through the regions where less resistance existed
towards its ﬂow. Consequently, the produced emulsions
and injected ﬂuid would rather ﬂow in the direction of
the swept regions. Figure 9c also demonstrates that in some
spots, the oil ﬁlm which surrounded the dispersed water
droplets prevented the emulsion to be fully miscible with
the deionized water present in the swept region. Thus,
water in the swept spots deviated the ﬂow direction of
the emulsion. This deviation increased the oil recovery since
the emulsion passed through other un-swept regions rather
than the previously swept regions. High permeable regions
are more favorable for the emulsions to ﬂow through.
As a result, an extended distribution for the emulsions, as
for the deionized water, can be visualized in high permeable
regions (see Fig. 9d).

4 Conclusion
The results obtained in this study highlighted the importance of the scenarios which may be followed during reservoir production. It should be mentioned that at reservoir
scale, different factors including the heterogeneity in the
pore space and differences in the types of the formation

water may also play role in the stability of the emulsiﬁed
phase. Further studies, including core ﬂooding experiments
and up-scaled reservoir simulation studies would also help
to consolidate the ﬁndings of the present study. The following conclusions can be drawn from the results of present
experimental study in which different solutions of Na2CO3
and MgSO4 with various ﬂow rates were injected into the
micromodel in different injection orders:










By increase of the salt solubility and its ability to
release free anions and cations, the likely interactions
between polar parts of the crude oil (i.e. asphaltene)
and the free ions of the solution were enhanced and
the number of dispersed water droplets in oil increased
causing much higher viscosity of the formed in-situ
emulsion.
The intensity of emulsiﬁcation close to the micromodel exit was greater likely due to the higher pressure drop and ﬂuid ﬂow driving force.
Due to the high basicity of Na2CO3 brine, it started to
interact with the acidic components of the crude oil as
it came into contact with the crude oil. This, in turn,
reduced the IFT to profoundly low values.
The injection of the Na2CO3 brine emulsiﬁed the displacing front causing higher viscosity. The mobility
ratio was then reduced thus larger oil recovery would
be expected.
Oil recovery was substantially improved when
alkaline solution injected after deionized water. This
was mainly due to the fact that the injection of basic
brine to the micromodel caused further in-situ
emulsiﬁcation.
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